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Abstract
The Illinois Basin Decatur Project (IBDP), funded by the United States Department of Energy National Energy 
Technology Laboratory, aims to inject one million tonnes of carbon dioxide (CO2) into the Mount Simon Sandstone. 
The injection of CO2 started in November 2011 and will extend over three years. Pre-injection reservoir modeling
and uncertainty analysis has been carried out to obtain probabilistic predictions of storage performance indicators.
Key characteristics of the storage site such as capacity, injectivity and containment are often evaluated based on 
the modeling results. Simulation studies for IBDP started in 2007 using general regional knowledge. Over time,
simulations have increased in complexity and have become more representative of the Mount Simon Sandstone as 
more data have been acquired.  In this study, a high resolution reservoir model consistent with all available data was 
developed. Water injection/fall-off tests were used to history match and calibrate the petrophysical properties of the
injection zone. Using a high-resolution grid around the wellbore in the injection zone allowed us to quantify 
uncertainties in plume shape and size. Lateral and vertical extent of the model was sufficient to account for the
injection induced differential pressure front defined by regulatory requirements. Using two hundred realizations, a 
detailed uncertainty analysis was performed to provide probabilistic evaluation of the storage site performance.
Irreducible water (H2O) saturation, residual CO2 saturation, CO2 relative permeability at the residual H2O saturation,
and horizontal-vertical permeability ratio were among the parameters considered uncertain. These parameters were
studied to quantify the uncertainties of performance factors including containment of CO2, injectivity, and dynamic
mass partitioning (mobile, residually trapped, and dissolved). On the reservoir scale, we analyze uncertainty in CO2
saturation and pressure profiles, and its potential implications for regulatory requirements for Area of Review (AoR)
evolution during the life of the project. 
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1. Introduction 
 
The U.S Department of Energy (DOE) awarded cooperative agreements to seven Regional Carbon 
Sequestration Partnerships to improve carbon sequestration technologies and understanding nationwide. 
The Midwest Geological Sequestration Consortium (MGSC) was established to identify the long-term 
geological CO2 storage possibilities in the Illinois Basin, which extends 155,000 km2 underlying Illinois, 
southwestern Indiana and western Kentucky. MGSC is led by the Illinois State Geological Survey 
(ISGS), in conjunction with the Indiana Geological Survey and the Kentucky Geological Survey, which 
partners with the Archer Daniels Midland Company (ADM), Schlumberger Carbon Services and others in 
the Illinois Basin  Decatur Project (IBDP). The CO2 being stored is produced as a byproduct in the 
fermentation process of corn in  ethanol production facilities. This anthropogenic CO2 is captured 
and transported through a mile-long pipeline to be stored deep in the Upper Cambrian Mount Simon 
Sandstone in Decatur, Illinois. 
 
In northern Illinois, the Mount Simon Sandstone is used for natural gas storage by utility companies, 
mostly to serve metropolitan Chicago area, and underlies the regional Eau Claire Shale [1]. The Eau 
Claire Shale is the primary confining unit for CO2 injected into the Mount Simon. In the project area in 
Decatur, the Eau Claire Shale is 96 m thick and covers the interval from 1,593 m to 1,689 m. The Mount 
Simon Sandstone extends from the base of the Eau Claire Shale to the top of pre-Mount Simon zone at 
2,149 and 2,133 m at the CCS#1 (injector) and VW#1 (monitoring) wells, respectively, that are 300 m 
away from each other. CCS#1 was drilled in 2009 and followed by a 3D seismic survey. A geophysical 
monitoring well and VW#1 were both drilled in 2010. IBDP is permitted to inject up to 1 million tonnes 
of CO2 over three years through the perforations in CCS#1 that are located at the measured depths of 
2,126.3-2,126.9, 2,128-2,137, and 2,141-2,149 meters.   
 
Since the project started in 2007, through the field development stage until the injection started in 
November 2011, pre-injection reservoir models were routinely updated with the latest available data for 
predictive simulation analysis. The most recent pre-injection reservoir model incorporated data including 
3D seismic survey, MDT* modular formation dynamics tester, rock and fluid property measurements, 
petrophysical logs, side wall and whole cores from CCS#1 and VW#1, and water injection/fall off test 
results from CCS#1 well. Petrel* E&P software platform was used to consistently integrate all the 
geophysical, petrophysical, and geological information and build the static model of the formations of 
interest in the project area. Simulation studies were carried out using the ECLIPSE* reservoir simulation 
software with the CO2STORE module, which is primarily used to model CO2 storage in saline 
formations. For the CO2STORE option, three phases are considered: a CO2 rich phase, an H2O rich phase 
and a solid phase. The CO2 rich phase is labeled the gas phase while the H2O rich phase is labeled the 
water phase (liquid phase). The mutual solubilities of CO2 and H2O are calculated to match experimental 
data for CO2 H2O systems under typical CO2 storage conditions: 12-100 °C and up to 600 bar [2]. 
 
Key performance indicators such as capacity, injectivity and containment were evaluated using two 
hundred equiprobable realizations. Uncertainty analysis was performed to provide probabilistic evaluation 
of the storage site performance. Latin Hypercube Sampling [3] technique was used to sample the input 
parameters from the assigned probability density functions to generate equiprobable realizations of the 
reservoir model. 
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2. Model Description 
A three dimensional (3D) seismic survey covered an area of 10 km2 around the CCS#1 and was used 
to build the structural reservoir model. This model was then embedded in a larger model (65 × 65 km) 
that was built taking into account the regional dip. Seismic attribute analysis helped in identifying the 
spatial distribution of various rock types within the area of seismic survey based on the changing rock 
density. Petrophysical well logs were calibrated with special core analysis results and used to identify 
different rock types as well. The results of the 3D seismic attribute analysis were combined with 
petrophysical well logs to build variogram models to define the distribution of different rock types 
(facies) throughout the structural reservoir model. Finally, ELANPlus* advanced multi-mineral log 
analysis porosities [4] were co-krigged with the facies model and CMR* Combinable Magnetic 
Resonance tool permeabilities [5] from both injection and verification wells. The resulting high resolution 
static reservoir model consisted of a 1,298 × 1,308 × 534 grid with an average cell size of 45 × 45 × 1 m. 
  
Pressure pulse propagation was considered while sizing the dynamic reservoir model. After a few 
iterations of pressure pulse evaluation, a dynamic reservoir model covering area of 10 × 10 km was found 
satisfactory. In order to optimize the overall computational time, only lower 300 m of the static model 
was carried into dynamic model since CO2 was not expected to move further vertically within 50 years 
[6].   Lateral cell dimensions were downscaled to 10 m around the injector using local grid refinement and 
upscaled to 180 m in the far field. This ensured high resolution in the area where CO2 is expected to 
migrate while maintaining a manageable number of grids for faster simulations. Vertically, resolution of 
the static model was honored in the lower 200 m of the reservoir where CO2 is largely expected to remain 
and reduced up to 20 m in the upper sections in order to minimize the number of grids. As a result, 
dynamic model was represented with a 60 × 60 × 137 host grid and additional  400,000 local grids placed 
around the injector well. 
 
After upscaling the petrophysical properties, the dynamic model was initialized with available data. 
MDT measurements provided reservoir pressure, temperature and virgin brine salinity. Based on these 
measurements, reservoir was normally pressured with a reference pressure of 221 bar at 2,144 m. 
Reservoir temperature was measured to be 50°C at the same depth and observed to follow normal 
geothermal temperature gradient of 1°C/100 m. Based on the fluid sample analysis reservoir brine had an 
average salinity of 200,000 ppm around the injection zone. A water injection/fall-off test was used to fine 
tune the injection zone of the reservoir. Fall-off part of the pressure data was used to calibrate 
permeability with a global permeability modifier while the build-up part of the pressure data was used to 
calibrate the skin at the perforations. Transient analysis of the fall-off data did not result in any flow 
boundaries within the searched area, as expected. Therefore, infinite acting boundary conditions were 
applied at the reservoir model boundaries.  
  
For the dynamic reservoir simulations, reservoir rock was divided into reservoir and non-reservoir 
units based on the porosity and permeability cutoffs. Parts of the reservoir with permeabilities lower than 
5mD and porosities lower than 5% were represented with a different vertical to horizontal permeability 
ratio (kv/kh) and relative permeability curves than the parts with the higher values. This helped us mimic 
the effect of baffles in the simulations. The kv/kh values of 2% and 45% were assigned to non-reservoir 
and reservoir rocks respectively based on the core description. Relative permeability curves were 
generated using Corey type functions. End-point relative permeability to CO2 was assumed to be 0.6 due 
to lack of experimental data. Average residual water saturation was estimated to be 45% based on the 
CMR well logs. Reservoir simulations including base case model and 200 other realizations were ran for 
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3 years of injection and 47 years of post-injection observations. During the injection period, CCS#1 was 
controlled by constant injection rate and constrained by maximum injection bottomhole pressure. 
Maximum injection bottomhole pressure was assumed to be 80% of the fracturing pressure which was 
measured during the water injection test. In the target injection zone of the Mount Simon, a fracture 
pressure gradient was measured at 0.162 bar/m and hence, maximum injection pressure gradient was 
calculated to be 0.129 bar/m.    
 
3. Uncertainty Analysis 
 
Uncertainty analysis was carried out with the uncertain parameters listed in Table 1. For each input 
parameter, the best estimate, the range and a probability distribution were assigned based on all available 
data and expert judgment of the project team. The parameters selected for this study are either a result of 
lack of knowledge (data is incomplete or absent) or are expected to have major influence on the outputs 
and defined by best guesses. For instance, although good information exists on model permeabilities 
around the wells, CO2 plume and pressure pulse development are primarily dependent on this key 
parameter and its spatial distribution. On the other hand, no relative permeability measurement was 
available for the zone of interest in Mount Simon Sandstone. 
 
Based on the seismic attribute analysis and well logs, five different rock types with slightly different 
porosity and permeability distributions were identified. In the base case simulation, all these reservoir unit 
rock types were represented with a single relative permeability curve. In the uncertainty study, five 
different rock types were further grouped into three and represented with separate relative permeability 
curves that were defined by Swir, Sgr and kSwr sampled individually for each of the three zones. The 
permeability cut-off used to define non-reservoir unit was also considered uncertain and assigned a 
distribution.   
 
Table 1. Input parameter space 
Parameter Base Value Distribution Min Max St.Dev. 
Permeability Multiplier 1 Uniform 0.7 1.3 - 
kv/kh multiplier  0.45 Uniform 0.2 0.7 - 
Permeability cut-off, md 5 Truncated  log normal 0.1 10 2 
Swir  0.45 Uniform 0.25 0.65 - 
kSwr  0.6 Uniform 0.4 0.8 - 
Sgr  0.2 Uniform 0.05 0.35 - 
 
4. Results 
4.1 Injectivity  
In classic oil industry terminology, injectivity or productivity refer to the amount of fluid that can be 
injected or produced as a function of differential pressure created at the sandface.  Similarly, in this study, 
we are going to use this term as the ability of the reservoir to accept the target injection rate under the 
design parameters. Another term  injection ramp up time  refers to the time period for the injector to 
reach the target injection rate when constrained by the injection bottomhole pressure. When CO2 is 
injected into the saline formations, relative permeability to CO2 increases as the saturation of CO2 
increases in the near wellbore region. Higher compressibility of CO2 compared to that of brine also 
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Fig. 1. (a) injection rate
Fig. 1. (b) injection bottomhole pressure
contributes to the gradual injection ramp-up to target rate. Injection ramp-up profile will also depend on 
the system boundary conditions and may be quite different based on the geometry of the reservoir [7].
However, the Mt. Simon Sandstone is believed to be an extensive and continuous geological unit and
therefore representing it as an infinite acting reservoir in this study is justified. Once the target rate is
reached, the injection mode is switched from constant pressure to constant injection rate.
All two hundred cases demonstrated that the target injectivity is achieved within the first few days
after injection starts (Figure 1a). The calculated P10-P50-P90 values for the injection ramp-up time were
0.5, 1 and 3 days respectively. The base case model predicted the injection ramp up time at two days. This
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small variation in the predicted ramp up time might be due to the variation of the permeability related
parameters (Table 1) and numerical dispersion that was introduced by gridding. An almost immediate
ramp-up to target injection rate could be highly likely when injection starts.
Injector well bottomhole pressure profile was sampled monthly at mid perforations and P10, P50 and 
P90 values were plotted together with the base case prediction (Figure 1b). Decrease in the bottomhole
pressure profiles in the early times is caused by the CO2 compressibility and relative permeability effect 
described earlier in this section.  Stabilization in the later times reflects the effect of the far-field boundary 
conditions applied. If no flow boundary conditions were applied, we would observe pressure build up
during injection. Pressure drop behaviour after injection stops at thirty-sixth month is similar for all the 
realizations. Almost all cases get very close to initial conditions 4 months after the injection stops.
4.2 Mass Partitioning
Mass partitioning of the injected CO2 due to various trapping mechanisms takes place when CO2 is
injected deep into saline formations. Depending on the formation and fluid properties such as salinity,
temperature, and pressure, some of the CO2 might dissolve in brine and stay in that form as long as
reservoir fluid properties are stable. In case of high salinity, as demonstrated in this study, overall
dissolved CO2 may be a relatively small fraction of total CO2 injected. At the end of fifty years it was
estimated that the 15 to 20% of injected CO2 dissolves in formation brine (Figure 2a). Dissolution is one
of the main trapping mechanisms relied upon in the CO2 storage. Another trapping mechanism residual
trapping mainly occurs once injection stops and resident formation fluid (brine) starts imbibing back 
into the pores occupied by CO2. During this counter-flow, blobs of non-wetting fluid (CO2) get 
disconnected from the rest of the plume and become trapped in the pores by the wetting fluid (brine).  As
can be seen in Figure 2b, 50 to 70 % (P10 and P90 respectively) of injected CO2 gets residually trapped at 
the end of fifty years. 
Fig. 2. (a) dissolved CO2; (b) residually trapped CO2
4604   Ozgur Senel and Nikita Chugunov /  Energy Procedia  37 ( 2013 )  4598 – 4611 
Fig. 2. (b) residually trapped CO2
Fig. 3. Mobile CO2
Mineral trapping is another mechanism that typically takes place on a much longer scale and therefore
it was not in this study. The remaining CO2 stays in mobile phase and can continue migration due the
buoyancy until it is stopped by a flow barrier. At the end of fifty years, P10 and P90 values for the
fraction of CO2 that is mobile (unbounded) was estimated to be 10 to 35 % respectively (Figure 3b).
During the migration process, from the point when injection stops until the CO2 plume stabilizes, as 
mobile CO2 moves in the reservoir, it comes into contact with more virgin formation brine resulting in 
more dissolution, while counter-imbibition on the back edge of the plume contributes to residual trapping.
Hence, mobile or unbounded CO2 phase keeps decreasing with time as the amount of trapped CO2
increases as can be seen from Figures 2 and 3.
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4.3 CO2 Plume Evolution 
 
Spatial evolution of the CO2 plume over the course of the project is an important metric of the storage 
site performance. Plume development and migration are typically predicted using reservoir simulators. 
These predictions help the project team identify the extent of the project area and prepare permit 
applications. Plume size analysis was carried out to define areal and vertical extent of CO2 in the reservoir 
as a function of time.  In order to visualize the spatial predictions from all of the two hundred realizations, 
we generated probability maps [8] using Petrel representing the probability of CO2 presence in a certain 
location in the reservoir with saturation larger than a certain threshold value as a function of time. In this 
paper, for illustration purpose, we analyze the CO2 plume defined by SCO2>5% and compare probabilistic 
plume development to base case predictions. 
 
An imaginary plane intersecting both CCS#1 and VW#1 was selected and plume development was 
evaluated in this 300 m thick cross section which covers the lower half of the Mount Simon Sandstone 
and a part of pre-Cambrian formations. In all cross section visuals vertical axis represent the subsea 
depths in meters. In Figures 4a, 5a and 6a, base case predictions of CO2 plume development is shown at 6 
months, 3 years (end of injection) and 50 years respectively. In these figures, blue color represents 100% 
water saturation.  Figures 4b, 5b and 6b show probabilistic representation of the evolution of the CO2 
plume. In these figures, light-blue and red colors represent respectively low and high probability of CO2 
appearing with at least 5% saturation. In both sets of images, red and black vertical lines represent the 
injector (CCS#1) and verification (VW#1) wells. Green bars on the verification well are the location 
indicators of the pressure and saturation sensors.  
 
 
Fig. 4. Plume development  6 months (a) base case CO2 saturation profile; 
(b) probability of appearance of CO2 with SCO2>5%  
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Fig. 5. Vertical plume development  3 years (a) base case CO2 saturation profile;  
(b) probability of appearance of CO2 with SCO2>5%  
 
 
Fig. 6. Vertical plume development  6 months (a) base case CO2 saturation profile;  
(b) probability of appearance of CO2 with SCO2>5%  
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Fig. 7. Areal plume development  6 months (a) base case plume footprint; 
 (b) probability of appearance of CO2 with SCO2>5%  
 
Figure 4a indicates that after six months of continuous injection the highest CO2 saturation is located 
around the perforated intervals. With the CO2 saturation decreasing away from the injection zone, Figure 
4b shows relatively low uncertainty (the difference between the red and light-blue edges of the 
probabilistic plume) in overall horizontal extent of the plume. However, uncertainty in the upper section 
of the plume increases as the vertical distance from perforations increases. Base case predictions suggest 
that at the end of injection period CO2 breaks through only at monitoring zones two, three and four 
(Figure 5a). Probabilistic analysis indicates high confidence in breakthrough in monitoring zones three 
and four, and lower confidence in breakthrough at zones two, five and six (Figure 5b). Because of the low 
permeability barrier at the bottom of the middle section of the Mount Simon, CO2 tends to accumulate 
and create thin layers of plume at depth of 1,740 m subsea. Base case predictions underestimate the 
overall vertical extent of the plume at the end of fifty years (Figure 6). This behavior is a natural outcome 
of uncertainties in the reservoir scale vertical heterogeneity.  Similar to plume vertical development 
analysis, lateral development was also analyzed to better understand the uncertainties in the areal extent 
of the plume as shown in Figures 7 9.   
 
Figures 7a, 8a, and 9a show base case predictions for the overall areal footprint. Red color represents 
vertically projected plume with 5% or more saturation of CO2. In Figures 7b, 8b, and 9b, probabilistic 
estimates of the areal extent are presented with red color indicating high confidence and blue indicating 
lower confidence. The level of confidence in predicted plume size and location is important when 
designing monitoring programs. Deterministic inputs to monitoring program may result in sub-optimum 
designs.  
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Fig. 8. Areal plume development  3 years (a) base case plume footprint;  
(b) probability of appearance of CO2 with SCO2>5%  
 
 
Fig. 9. Areal plume development  50 years (a) base case plume footprint; 
 (b) probability of appearance of CO2 with SCO2>5% 
 
Based on the results presented here, one can expect that as the saturation cutoff used the define plume is 
decreased the size of the low confidence area in overall plume footprint increases. This may result in a 
large area in the monitoring program if the uncertainties in predictions are ignored. Time lapse images of 
areal plume development suggest that the uncertainty at the edges of the plume increases with time. This 
uncertainty is likely to be dependent on the uncertainty in Sgr controlling the post-injection migration of 
CO2 following regional north-northwest regional dip and structure. Thus, comprehensive post-injection 
plume monitoring is necessary.    
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4.4 Pressure Perturbation  
 
The areal pressure perturbation is another important estimate that is required for permit applications. 
Together with the CO2 plume size, pressure perturbation analysis helps determine the Area of Review 
(AoR) for the CO2 sequestration projects. AoR is defined as the maximum areal extent of the separate-
phase plume or pressure front over the lifetime of the project and entire timeframe of the model 
simulations. The pressure front above refers to the pressure increase of sufficient magnitude to force 
fluids from the injection zone into the formation matrix of underground source of drinking water through 
a hypothetical open conduit [9] and was estimated to be 184 psi at the IBDP site. Base case prediction 
indicates that the 184 psi pressure front reaches its maximum extent at three years. Figure 10a shows that 
at the end of injection, the estimated 184 psi pressure front (white contour) is contained within the 
predicted plume footprint (SCO2>0.05).  Probabilistic analysis also confirms this with high confidence in 
predictions. Figure 10b shows the overlay of probabilistic CO2 distribution and P10 (outer) and P50 
(inner white contour) boundaries of the 184 psi pressure front.    
  
 
Fig. 10. Pressure perturbation  3 years (a) base case plume footprint (red) and 184 psi pressure front (white);  
(b) probability of appearance of CO2 with SCO2>5% and P10 (outer) and P50 (inner) boundaries of 184 psi pressure front 
 
5. Conclusion 
 
Pre-injection uncertainty analysis was performed for IBDP. Two hundred equiprobable realizations 
represented uncertainty in underlying reservoir parameters including permeability multiplier, irreducible 
water saturation, residual CO2 saturation, CO2 relative permeability at the residual H2O saturation, 
horizontal-to-vertical permeability ratio, and permeability cut-off value for reservoir description. Using 
descriptive statistical analysis, uncertainties of reservoir performance metrics such as injectivity, CO2 
mass partitioning, areal and vertical CO2 plume extent and pressure perturbation were quantified. 
Probabilistic results were compared to the base case predictions to stress the importance of probabilistic 
approach in predictive simulations.  
 
Probabilistic results indicate that the P10, P50 and P90 values of the mass fraction of mobile 
(nonresidual) CO2 were 10%, 20% and 35% respectively at the end of 50 years. Base case prediction 
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indicates that CO2 breaks through at the Verification well around the third zone from the bottom at about 
6 months after injection starts. In the field, the saturations around the wellbore can be measured with 
RST* reservoir saturation tool to capture the breakthrough. Probabilistic results showed that the first 
breakthrough at zone three occurs after nine months. Fluid in Westbay* multilevel groundwater 
characterization and monitoring system zones can be sampled and analyzed to verify breakthrough. Over 
the lifespan of simulations plume stayed below the middle Mount Simon which is 250 m below the 
primary seal Eau Claire with at least 90% confidence. Areal extents of the CO2 plume and pressure 
perturbation front were compared to estimate AoR for the project. Our analysis confirmed that although 
the pressure perturbation reaches its maximum extent in 3 years, the AoR is defined by the areal extent of 
the CO2 plume. 
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Nomenclature 
°C degrees Celsius   
3D three dimensional 
ADM Archer Daniels Midland Company 
AoR Area of Review 
CCS carbon capture and storage 
CCS#1 injector well number one 
CMR combinable magnetic resonance tool 
DOE Department of Energy 
IBDP Illinois Basin Decatur Project 
ISGS Illinois State Geologic Survey 
k permeability 
kSwr permeability to CO2 at residual water saturation 
kv/kh vertical permeability to horizontal permeability ratio 
m meter 
MDT modular formation dynamic tester 
km kilometer 
MGSC Midwest Geological Sequestration Consortium 
ppm parts per million 
RST reservoir saturation tool  
SCO2 CO2 saturation 
Sgr residual gas saturation 
St.Dev. standard deviation 
Swir irreducible water saturation 
VW#1 verification (monitoring well number one) 
 
